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Optimization of Hydraulic Fracture Treatment Parameters
for Normally Pressured Longmaxi and Wufeng Shales
in the Southeastern Sichuan Basin in China

Melckzedeck M. Mgimba'; Shu Jiang?; and Wilson Ngole®

Abstract: Lower Silurian Longmaxi and Upper Ordovician Wufeng shales are gas-producing formations. These formations have ultralow
porosity and permeability in the southeastern Sichuan Basin and have normal formation pressures with pressure coefficients of less than
1.2. Hydraulic fracturing has been proven as the best development strategy to produce gas. But choosing hydraulic fracture treatment parameters
becomes challenging due to strong reservoir heterogeneity, significant horizontal stress contrast and high in situ stress in this region. We em-
ployed the pseudo-three-dimensional (P3D) model to study fracturing fluid types, injection rates, and proppant sizes to optimize the fracturing
design of these shale formations. First, this model was solved in the simulator by the finite element method (FEM) to obtain the fracture height,
length, and width. Then the results were validated by 3D Tip dominated model, and the perkins-kern-nordgren (PKN) and khristianovic-
geertsma-deklerk (KGD) analytical models, which are popular and most used in designing hydraulic fractures. It was found that as the volu-
metric injection rate and gel loading in the fracturing fluid rise, so do the generated fracture length and width. Furthermore, the formations’ stress
contrast affected the shape of the fracture, the interval with lower stress had a wider fracture compared to the interval with higher stress. Also, the
higher stress in the layers above and below the shale formations contained the fracture height, which favored the growth of fracture in the shale
formations. Lastly, it is suggested that a fluid with gel loading of 60 ppgt, proppant with 12/20 mesh size and an injection rate of 6.36 m®/min
be used in these shale formations with normal reservoir pressure. These parameters’ combinations created the most extended propped fracture
length of 264.8 m, and the average width was 1.06 cm. DOI: 10.1061/JLEED9.EYENG-4494. © 2023 American Society of Civil Engineers.

Introduction

In the current years’ gas from shale formation has become very
important to global energy (Guo et al. 2021; Liu et al. 2022).
America’s success in developing and producing shale gas formations
raises the understanding of exploring and producing shale gas in the
world. China is among the countries with huge potential for shale gas
and is looking forward to replicating the US (Jiang et al. 2016a). One
field that contains shale gas formations in China is the Fuling gas
field found in the Eastern Sichuan Basin. The field has a gas reserve
of 7.68516 x 10'! m? and is claimed to be one of the world’s most
significant shale gas deposits (Dai et al. 2017; Jiang et al. 2016b;
Wang et al. 2021a). Among the shale gas formations in the Fuling
gas field are Lower Silurian Longmaxi and Upper Ordovician
Wufeng Formations. These shale gas formations have a pressure
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coefficient of less than 1.2 and ultralow porosity and permeability;
thus, they are tight formations (Wang et al. 2021a). Due to the tight-
ness of these formations, the conventional way of developing these
formations to obtain gas becomes difficult. Based on Ahmed et al.
(2019), Aminzadeh (2018), Cui et al. (2022), Sadrpanah et al.
(2006), and Xie et al. (2022), hydraulic fracturing seems to be
a feasible development strategy for these kinds of formations.
According to Society of Petroleum Engineers (2012), propped hy-
draulic fracturing provides better production when used in Oshale
formations, and this is because propped hydraulic fracturing is
capable of creating long fractures and keeping the fracture open
after fracturing. These significances suggest the propped hydraulic
fracturing in the Lower Silurian Longmaxi and Upper Ordovician
Wufeng Shale Formations in the southeast of the Sichuan Basin.

The models used in designing the hydraulic fracture are grouped
into two-dimensional (2D) and three-dimensional (3D) models
(Muther et al. 2020). The most common 2D models used are the
Perkins-Kern-Nordgren (PKN) and Khristianovic—Geertsma—de
Klerk (KGD) (Geertsma and Haafkens 1979; Muther et al. 2020;
Nguyen et al. 2020, 2022; Zolfaghari et al. 2017). According to
Esfandiari and Pak (2022), these 2D models were the first and most
used analytical models. However, in these models, the fracture
height is assumed to be constant. Therefore, these models are
not good at approximating lateral and vertical fracture propagation
in hydraulic fracturing (Wong 2018).

The pseudo-three-dimensional models (P3D) were developed to
mitigate the problem of 2D models and were the first 3D models to
be used in multilayered reservoirs (Muther et al. 2020). These mod-
els are characterized by elliptical or lumped models (Adachi et al.
2007) and cell-based models (Settari and Cleary 1986). In elliptical
models, the shape of a fracture is an ellipse with two half-ellipses
connected at the center. In contrast, no specific shape is defined for
the cell-based models. These models are the modification of PKN,
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whereby the fluid flow and fracture heights are evaluated from
the pressure in the cell (Adachi et al. 2007; Guo et al. 2007). The
P3D model works better for fractures where the length-to-height
ratio is more significant (Palmer and Craig 1984). However, this
model is not recommended for unstable fracture height growth
formations.

The propagation of hydraulic fractures depends on the reservoir
properties, such as permeability, reservoir temperature, porosity,
reservoir depth, and initial reservoir pressure. Also, fracture growth
depends on the mechanical rock properties, including horizontal
principal stress, toughness, Poisson’s ratio, closure stress gradient,
Young’s modulus, and average fracture pressure gradient. The frac-
tures grow in a complex manner due to these properties. Hence,
selecting an appropriate model to be used in designing hydraulic
fracturing is necessary.

The hydraulic fracturing fluid types, proppants sizes and injec-
tion rates are among the essential parameters during hydraulic frac-
turing treatment design. The hydraulic fracturing fluid is used to
carry the fracturing energy to break the rock and take the proppants
to the fracture open (Ghahremani and Clapp 2014). The application
of hydraulic fracturing fluids depends on several factors, including
the nature and lithology of formation, fluid in the formation, cost
and proppants’ carrying ability (Haddad et al. 2017; Montgomery
2013; Parekh and Sharma 2004). For instance, water is not recom-
mended as a fracturing fluid in some formations due to its ability
to form water drops in the gas formation and swelling effects in the
clay minerals. These two factors reduce the relative permeability of
reservoir fluids (Haddad et al. 2017; Parekh and Sharma 2004).
Studies conducted by (Barati and Liang 2014), Da et al. (2022),
and Wrobel et al. (2021) revealed that high-viscous fracturing fluid
has a high ability to carry a high concentration of proppants to the
fracture and create a wide and short fracture. But Da et al. (2022)
noted that high-viscous fracturing fluid has low flowback effi-
ciency, thus damaging the reservoir by retaining fracturing fluid
in the fracture matrix zone. Da et al. (2022), on the other hand,
demonstrated that using low-viscosity fluid can also damage the
reservoir because it can be trapped in the tiny pores of the reservoir.

Proppants are chosen for hydraulic fracturing based on their size,
strength, cost, the reservoir permeability or conductivity they induce,
and the minimum in situ stress (closing stress) of the formation
(Chamanzad et al. 2017; Economides and Nolte 1989). The size
of the proppants can be measured by mechanical sieve analysis
or hydrometer. The standard way of presenting the size of the prop-
pants is using the mesh size range, as shown in Table 1. According to
Olmen et al. (2018), the proppants with 100, 40/70, and 20/40 mesh
sizes are widely used in the hydraulic fracturing process for sealing
the micro-cracks (100 mesh size) and holding the fracture open.

Mathematical relation [Eq. (1)] shows that the settlement veloc-
ity of the proppants is directly proportional to the square of the

Table 1. Proppants size distribution

Particle size range

Mesh size (x107° m)
10/14 1,400-2,000
12/20 850-1,700
16/20 850-1,180
16/30 600-1,180
20/40 420-850
30/50 300-600
40/70 212-420
100 149

Source: Data from Lutynski (2015).
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diameter of the proppants (Belyadi et al. 2019). Thus, the large-size
proppant needs a higher injection rate to avoid earlier settlement of
the proppants

V.. — g(ppr - pﬂ)dgr (1)
se 18Nﬂ

where V. = settling velocity of the proppants; g = acceleration due
to gravity; py, = density of the proppant; py = density of the fluid;
d,,, = proppant diameter; and py = viscosity of the fluid.

Based on Bokane et al. (2013), Guo et al. (2022), and
Siddhamshetty et al. (2020), proppants of small sizes are well trans-
ported and distributed in multistage fractures and can be carried to a
more extended fracture when compared to large-size proppants. But
the earlier settlement of proppants (proppants carried to a shorter
fracture) can also be caused by a low flowing rate below the critical
settling velocity, the low viscosity of fracturing fluid and higher
proppant density (Da et al. 2022; Huang et al. 2019; Montgomery
2013). From these studies, the authors suggested evaluating the
proper values of hydraulic fracturing parameters, including viscos-
ity, injection rate and concentration of proppant, by balancing them
is important to obtain a more extended propped fracture.

The studies conducted in the southern Sichuan Basin by Cao
et al. (2020) and Liu et al. (2021) showed that the shale formations
have substantial reservoir heterogeneity, significant horizontal stress
contrast and high in situ stress. These factors led to problems during
proppants placement, fracture growth, and production variation
after hydraulic fracturing. Thus, the studies suggested high injection
rate, high viscous fracturing fluid, low density and small-sized prop-
pants to mitigate those problems. But the study does not show the
quantity of these suggested parameters. Duan et al. (2019) studied
the hydraulic fracturing techniques in the Dingshan area in the
southeastern Sichuan Basin, which is analogous to our study area.
In that study, the method of horizontal well fracturing in deep forma-
tions was developed. Three wells (Well DY2, Well DY4, and Well
DY5) were tested in that developed method. The high viscous slick
water was used as a fracturing fluid in all wells, the injection rates
were 12, 16, 18 m? /min for Well DY2, Well DY4, Well DY 5, respec-
tively. And the size of proppants used were 40/70 and 30/50 mesh
sizes for sealing the wall and holding the fracture open. These param-
eters show success in production, but in this study, the fracturing
parameters were not varying. Studying of various fracturing param-
eters like different fracturing fluid types, different injection rates, and
various proppants sizes could bring more successful results.

Even though Bokane et al. (2013), Da et al. (2022), and Huang
et al. (2019) showed the effect of each fracturing parameter (fluid
type, proppants size, and injection rate), these studies did not show
the impact of the combination of these fracturing parameters in the
southeast of Sichuan Basin. Likewise, Cao et al. (2020) and Duan
et al. (2019) did not show the impact of each of these fracturing
parameters on developing the fracture. Also, we found that the pro-
cess of choosing appropriate fracturing fluids, proppants size, and
injection rate during the hydraulic fracturing process is very chal-
lenging. Due to this research gap, this study will focus on studying
fracturing fluid type, injection rate, and proppants size through the
simulations. Then, the study will suggest the fracturing fluid, its in-
jection rate, and the size of the proppants to be used during the hy-
draulic fracturing process in the Lower Silurian Longmaxi and
Upper Ordovician Wufeng shales in the southeast of the Sichuan
Basin.

To reach the study’s goals, we used a unique P3D model called
the 3D shear decoupled method to evaluate fracture growth. But the
results were validated by PKN, KGD and another P3D model called
3D tip-dominated model. According to Chen et al. (2019), the PKN
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and KGD models can validate the fracture simulation results for
short and long simulation times. Also, Rahman and Rahman (2010)
commented that these 2D models are the most popular. The 3D tip-
dominated model considers the influence of extreme permeability
contrast layers. In this case, the hydraulic fracture growth can be
arrested due to increased fluid leak-off as the hydraulic fracture tip
enters a high-permeable layer.

Geological Setting

The study was conducted in the southeastern Chongqing region,
which is found on the boundary of the southeastern Sichuan Basin,
as shown in Fig. 1. The Sichuan Basin is located in the southwest of
China and is part of the Yangtze Platform found in Northwestern
(Lietal. 2022; Zhou et al. 2021). It is a giant, intracratonic basin on
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Fig. 1. Distribution of shales in China, showing the study area. [Reprinted from Natural Gas Industry B, Vol. 3(1), D. Dong, Y. Wang, X. Li, C. Zou,
Q. Guan, C. Zhang, J. Huang, S. Wang, H. Wang, H. Liu, W. Bai, F. Liang, W. Lin, Q. Zhao, D. Liu, and Z. Qiu, “Breakthrough and prospect of shale
gas exploration and development in China,” pp. 12-26, © 2016, with permission from Elsevier.]
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the stable South China Block. The coverage of the Sichuan Basin transitional basite magmatic rocks that have experienced intense

is about 23 x 10'° m?, and in 2014 the basin had a proven gas re- metamorphism (Luo 1998).
serve of about 3.22 x 10'> m3. The basin was formed in the late Various formations were formed in the southeast of Chongqing
Proterozoic and extended to the present day (Korsch et al. 1991; during the Cambrian, Ordovician and Silurian ages, whereas
Liu et al. 2017). In the middle of the basin, the basement contains other formations are missing due to tectonic uplift and erosion.
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Fig. 2. Stratigraphy of the southeastern Chongging region showing Longmaxi and Wufeng formations. [Reprinted from Wang et al. (2021b), under
Creative Commons-BY-4.0 license (https://creativecommons.org/licenses/by/4.0/).]
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The primary source rocks in the area are Lower Cambrian Niutitang
Formation, Lower Silurian Longmaxi Formation and Upper
Ordovician Wufeng Formation, as shown in Fig. 2 (Li et al. 2022;
Wang et al. 2021a, b). The Longmaxi and Wufeng shales are the
primary targets for exploring and developing shale gas in the south-
east of Chongqing area. These formations are rich in organic mat-
ter, have high thermal alteration, and are deep in depth. The main
conditions influencing high shale gas production in these forma-
tions were accelerated by the stable anaerobic environment, which
occurred for a long time (Wang et al. 2021a).

Pengye 1 is one of the wells drilled to evaluate the Longmaxi
and Wufeng shales gas reservoirs. The well shows that the shale
region is divided into three parts, top, middle, and bottom. The
top part starts from a depth of 2,010 to 2,055 m and contains gray
limestone, shale and shale sandstone. The central part starts from a
depth of 2,055 to 2,122 m and has gray shaly sandstone, gray and
black mudstone. Finally, the bottom part starts at a depth of 2,122 to
2,160 m and contains gray and black carbonaceous shale and mud-
stone. The well shows the Longmaxi shale is found at a depth be-
tween 2,072 and 2,152 m, whereas the Wufeng shales are located at
a depth between 2,152 and 2,160 m (Chen et al. 2018; Mgimba
et al. 2022).

The exploration shows that the pressures in these shale forma-
tions range from under to normal pressure (the average formation
pressure coefficient is 1) (Mgimba et al. 2022; Nie et al. 2017).
Both formations are tight formations and have ultralow porosity
and permeability. According to Wang et al. (2021a), the average
porosity of Wufeng-Longmaxi shale in the southeast of Chongqing
area is 1.25%, while the average permeability of 72.1% of the
studied region is about 1 x 10~7 Darcy (D). The area was squeezed
in the Early to Middle Jurassic and formed several thrust faults
(Zhang et al. 2018). The stress regimes of the thrust faults changed

from extrusion to extension during the Cretaceous but due to the
influence of the intrusion of the India-Australian plate onto the
Eurasian plate, the stress regime altered again from extension to
extrusion during the Neogene (Wo et al. 2007). Therefore, the
region comprises several natural fractures orienting in NW-SE,
NE-SW, NWW-SEE, and NEE-SWW directions.

Methodology

The study of fracturing fluids, proppant sizes and injection rates
during hydraulic fracturing in this work was done through the sim-
ulation method. It was assumed that design calculations represent
actual and quantitative fracture behavior. The work passes through
different stages, including; data collection, selecting the fracture
model to be used in the simulator, fracturing fluid selection, selec-
tion of the proppants and selection of optimum injection rate, as
shown in Fig. 3. Then the effect of stress contrasts was studied
and validation of the results was done.

Selection of Hydraulic Fracture Model

The FracPro 2019 simulator was used in this work to analyze frac-
ture growth. But according to Azad et al. (2022), the FracPro 2019
simulator is developed based on the P3D model. According to
Adachi et al. (2010) and Shel and Paderin (2019), the main
assumption in the P3D model are uniform minimum in situ stress,
the fracture is growing in elliptical or cell-based, fluid leak-off is
treated based on Carter’s model, and also it exists a condition of
plane strain in any vertical plane. The development of fracture by
the P3D model is governed by Egs. (2) and (3) from the shape of
the fracture (elliptical). Also, the model considers the relationship
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Fig. 3. Stages followed to obtain the optimum treatment parameters.
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between fracture development and net pressure, Poiseuille’s law,
and the law of conservation as described by Egs. (4), (6), and (7),
respectively. During the simulation, the simulator considers the
boundary conditions as shown by Egs. (5) and (6) (Adachi et al.
2010; Shel and Paderin 2019)

1 [h/2
wW=— wdz (2)
H / np2
1 /%
=g 8 qdz (3)

where W = average width; q = average flow rate; H = reservoir
height; and h = equilibrium height.

The relationship between fracture development and the net pres-
sure was developed from the elasticity. This relation is represented
by the integral equation of fracture width [Eq. (4)] and stress in-
tensity factor [Eq. (5)], both in the form of net crack loading

4

H/2 h/2
Wz&ip/‘ GK@@@+{p—Aﬂ/ﬂ GK(s,2)ds  (4)
7T 0

H/2

« Sh[ L R /h/z ds ]

_ B _ 4 A 4

! Pl Voae P w2 Vh? — 482
(5)

where E = plane strain Young’s modulus; p = net pressure; and
GK(s,z) = elasticity kernel.
The relationship between the flow rate (average flux) and the
pressure gradient is defined by Poiseuille’s law [Eq. (6)]
oq _ w? op h h

A_w e Ao, 0 6
x  12u0x° 2573 (6)

Also, the law of conservation defined by Eq. (7) is considered

aq ow C
— 4 — 4+ =0 7
ox  Ox t—t,(x) )

where t,(x) = time the crack reaches coordinate x, and C Carter
leak-off coefficient.

In the simulator, the following boundary conditions are used
[Egs. (8) and (9)]

w(l,t) =q(l,t) =0, h(l,t) =H (8)

Qo
a(0.0 =522 ©)
where | = length of the fracture; and t = time required to create the
fracture.

Based on Cipolla and Wright (2000), Huo et al. (2021), and
Muther et al. (2020), the shale formations which are sandwiched by
limestone lithologies tend to develop a confined fracture due to high-
stress contrast. This mechanism favors the fracture to have a higher
length when compared to height. As Longmaxi and Wufeng shale
formations in the southeastern Sichuan Basin exhibit this behavior,
the 3D shear decoupled model provided by the FracPro 2019 sim-
ulator has been selected to be used. The model has been used since it
considers the formation response to confined stress. This model is a
kind of P3D approximating a more confined and longer hydraulic
fracture caused by the composite layering effect. This confinement
phenomenon and fracture growth behavior cannot be precisely
evaluated through 2D analytical models since they can provide
smaller or larger fracture geometry values than reality.
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The P3D model is solved by the Finite Element Method (FEM)
in the FracPro 2019 simulator. FEM is an algorithm for solving
partial differential equations in two or three spatial variables [for
instance, Eqgs. (6) and (7)]. The FEM breaks down a complex system
(fluid pressure, stress in rock, fluid flow rate and width relation) into
smaller, more manageable pieces known as finite elements to solve
an issue. The numerical domain for the solution, which has a finite
number of points, is implemented by creating a mesh of the object
using a specific space discretization in the space dimensions. A set
of algebraic equations emerges from formulating a boundary value
problem using the finite element approach. The technique makes
domain-wide approximations of the unknown function. The small
system of equations that describes these finite elements is then com-
bined with other equations to model the full issue. Then Gaussian
elimination method is used to find a solution (Annigeri and Cleary
1984; Wangen 2011; Wangen 2013).

The Description of the Reservoir

The formations used in this work consist of shale lithology. The pay
zone is found in Longmaxi and Wufeng shales, located at a depth
between 2,072 and 2,160 m. Most reservoir properties were ob-
tained from the East China Branch of Sinopec Co., Ltd. report,
which conducted the exploration. Other data, including porosity
and permeability, were obtained from the literature (Wang et al.
2021a), and a few data were assumed from experience, as shown
in Table 2. According to Wang et al. (2021a), the porosity in this
area ranges from 0.05% to 5.61%, with an average of 1.25%. Since
the porosity at different depths was not present, the average poros-
ity was used in this work. Also, the permeability in these forma-
tions ranges from 5 x 1079 to 1.626 x 1077D, whereas the average
permeability of 72.1% of the region is about 1 x 10~7D. Therefore,
the permeability of 1 x 1077D was used in the simulation. There is
a variation of porosity and permeability in these formations, but
generally, the formations show ultralow porosity and permeability.
Other reservoir parameters in these formations are shown in
Table 2.

Other important parameters to be considered in the reservoir
are the mechanical properties of the rock. The mechanical proper-
ties of the rock are critical parameters to be considered in hydraulic
fracturing. These properties influence the size and geometry of the
fractures developed during the hydraulic fracturing process. These
properties were obtained from the report of the East China Branch
of Sinopec Co., Ltd. Most of the rock mechanics’ properties change
with depth, as shown in Fig. 4, where the Young’s modulus and
Poisson’s ratio vary with depth in the same formation. Inside the
shale formations, there was also fluctuation in the magnitude of
stress at different levels, which had an impact on the shape of
the fracture. Additionally, the layer above and below the shale for-
mations has a difference in stress, which affects the fracture height
growth. When there is higher stress above and below the zone of

Table 2. Reservoir data of Longmaxi and Wufeng shales which were used
for fracture design

Parameter Unit Value Citation
Average reservoir pressure ~ Pa 23.88 x 10° Data from the report
Static reservoir temperature  °C 61 Chen et al. (2018)
Porosity %o 1.25 Wang et al. (2021a)
Reservoir thickness m 88 Data from the report
Permeability D 1 x 10719 Wang et al. (2021a)
Water saturation % 20 Assumed

Total compressibility 1/Pa 5.63 x 1078  Wang et al. (2021a)
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Fig. 4. Rock mechanics properties of the Lower Silurian Longmaxi and Upper Ordovician Wufeng shales in the southeastern Chongqing area, these

properties were included in designing the fractures.

interest, the increase of the fracture height is restrained (Long and
Xu 2017). It was therefore assumed that these strata had higher
stress (60 MPa) than the relevant shale formations for a fracture
to appear in the shale formations and for the study to concentrate
on width and length expansion. Also, the mechanical properties of
the rock are required for predicting the closure stress gradient,
which helps in approximating the injection pressure needed to
break the rock and create a fracture. Therefore, the simulator used
the reservoir and the rock’s mechanical properties to model the
Teservoir.

The Wellbore Configuration

The hydraulic fracturing process was done in the horizontal
well. The horizontal well has many advantages in the petroleum
industry, including having a large contact area with the formation,
higher productivity, and stability to stresses acting on them
(Soliman et al. 1990; Xie et al. 2022). The fractures are developed
when the hydraulic fracturing fluid is pumped at high pressure
through the horizontal well to the perforated region, as shown in
Fig. 5 (Zuppann and Steinmetz 2014). According to the fracture
development, the length of the fracture should increase in step with
the formations while the height of the fracture should cross
perpendicular to them. The FracPro 2019 simulator was used to
model the fractured horizontal well, with a measured length of
4,000 m. The vertical section had a length of 2,100 m, and the hori-
zontal section had a length of 1,900 m. Then, the well was perfo-
rated from a length of 2,100 to 4,000 m. In this well, a single
fracture was developed to optimize the hydraulic fracture treatment
parameters (fluid type, fluid viscosity, proppant size, and injec-
tion rate).

The Selection of Fracturing Fluid

The selection of fracturing fluid depends on technical factors and
economic factors. Among the main technical factors considered in
the selection of fracturing fluid are the loss in fluid viscosity and
friction, gel damage and compatibility with the reservoirs (Abaa
et al. 2012). Therefore, considering technical factors is necessary
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for controlling wellbore damage, fracture development, and prop-
pants carrying. The economic factors are considered when the tech-
nical factors meet the requirement. This work mainly concentrates
on two technical aspects, the fracturing fluid viscosity and its com-
patibility with the formation.

Fracturing Fluid Viscosity

The fluid viscosity has two impacts on the fracture created; first, it
affects both fracture length and width and second, it affects the
proppants distribution in the fracture. High viscous fracturing fluid
creates wide fractures and increases the ability to carry a high prop-
pant concentration. In contrast, low viscous fluid has a low ability
to carry proppants and create thin fractures, but its advantage is low
cost and easy availability. According to Gidley (1989), proppants

Casing deformation

2100 m

Shale rock Casing

Fractures Perforation Bridge plug

l< 1900 m >

Fig. 5. Sketch of the horizontal well in which fracturing fluid was
pumped to initiate the fracture, the vertical section length was 2,100 m,
and the horizontal section length was 1,900 m. (Reprinted from Journal
of Petroleum Science and Engineering, Vol. 166, F. Yin, L. Han,
S. Yang, Y. Deng, Y. He, and X. Wu, “Casing deformation from fracture
slip in hydraulic fracturing,” pp. 235-241, © 2018, with permission
from Elsevier.)
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will be suspended in the fracture if the fluid viscosity in the fracture
range from 50 to 100 cp. After sometimes, the fluid will lose its
viscosity to allow proppants to settle before the fracture close.
Thus, the fluid should be able to suspend the proppant and send
them into the fracture, but also it should lose viscosity after some
time to allow the proppants to settle in the fracture. Different
fracturing fluids were simulated to evaluate their ability to develop
fractures and distribute proppants.

Reservoir Compatibility

The choice of fracturing fluid depends on the sensitivity of the
reservoir to that fluid and its additives. Therefore, considering fluid
sensitivity in a specific reservoir is necessary for selecting fractur-
ing fluid. For example, a reservoir which contains clay minerals is
very sensitive to water (Parekh and Sharma 2004). Therefore, using
water-based-fracturing fluid causes clay swelling in a reservoir,
which blocks the wellbore that is not stable, causing stuck pipe
and destruction of fracture by the movement of fine particles.
Therefore, adding additives like KCl, which reduces clay’s swell-
ing, is required if water is selected for this kind of reservoir.
Otherwise, other fracturing fluids that prevent clay minerals’ swell-
ing are necessary for these reservoirs. The problem of clay swelling
was discovered in this reservoir because some layers are shale for-
mations that contain clay minerals. Thus, fracturing fluid was se-
lected by considering the clay swelling factor.

Injection Rates

The performance of fracturing fluid in creating the fractures de-
pends on the injection rate. Therefore, the effect of different injec-
tion rates was evaluated in this work. Based on Abaa et al. (2012),
the maximum injection rate due to the limitation of the pump is
100 bpm (15.90 m?/min). However, the injection rates used in this
work range from 1.59 to 15.90 m?/min due to the injection rate’s
capacity to induce fracture.

Selection of Proppants and Study of the Effect of
Proppant Sizes

The proppant type choice depending on the formation’s closure
stress is shown in Table 3. The Beta factor affects the non-Darcy
pressure drop in the fracture. The smaller value of the Beta factor
diminishes non-Darcy pressure drops in the fracture (Al-Sadhan
2014). Thus, it causes an improved conductivity, resulting in an
enhanced flow rate and production of hydrocarbons. The cost of
proppants is another essential factor in considering the proppants
to be used. The cost includes transportation costs, buying or pre-
paring proppants, and their availability. According to Liang et al.
(2016), sand is the cheapest and most common proppants.

The closure stress in this formation is 3.7838 x 107Pa
(5,488 psi), according to Belyadi et al. (2019) and Cholet (2008);
sand proppants can be applicable in these formations with clo-
sure stress less than 4.1x107Pa. Therefore, sand proppants from

Table 3. The application of proppants at different closure stresses

Maximum closure stress

Proppant Specific gravity (x107Pa)
Sand 2.65 4.1
Resin-coated sand 2.55 6.9
ISP ceramics 27-33 9.7
High-strength proppant 3.4 >06.9

Source: Data from Cholet (2008).
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Table 4. Proppant with 12/20, 20/40, and 40/70 mesh sizes used in the
study with their permeabilities at a closure pressure of 3.7838 x 107 Pa

Proppant Proppant
Proppant types size permeability (D)
Arizona sand 12/20 367.40
Arizona sand 20/40 85.78
Arizona sand 40/70 31.17

Arizona were selected based on the cost and the good performance
of sand proppants at closure stress of less than 4.1x107Pa. The
proppants are found in different mesh sizes ranging from 100
to as large as 10/20 mesh size. In this work, three proppants
types (12/20, 20/40, and 40/70 mesh sizes) were selected for the
study because they are commonly used in the petroleum industry.
The permeabilities of these proppants at a closure stress of
3.7838 x 10Pa are shown in Table 4.

Methods of Validating the Results

In validating the results, KGD and PKN models were used. The
KGD analytical solutions which were used in the validation of
the results are shown in Egs. (10) and (11) (Nordgren 1972;
Zielonka et al. 2014)

1
3 62
L:O.ll(ﬁ)ﬁﬁ (10)
(I=v)u
_ 3 l|
Winge = 0.15 (%) ‘G (11)

where L = fracture length (m); g, = injection rate (m*/s); G = shear
modulus (Pa); p = fracturing fluid viscosity (Pa.s); H = fracture
height (m); W ., = maximum width; and t = time (s).

The PKN analytical solution, which did not consider the fluid
leak-off, is shown by Egs. (12) and (13) (Nordgren 1972)

1
3G\ 5 4
L= o.39<q°—£)56 (12)
0
@2 \5 !
Whax = 217(&) t§ (13)

where L = fracture length (m); ¢, = injection rate (m®/s); G = shear
modulus (Pa); p = fracturing fluid viscosity (cp); H = fracture
height (m); and t = time (s).

Also, the results were validated using another P3D model
called the 3D tip-dominated model. This model is also found in
the FracPro 2019 simulator. Extreme permeability contrast layers
are considered by the 3D tip-dominated model. In this instance, the
increase in fluid leak-off as the hydraulic fracture tip approaches a
high permeability layer can stop the propagation of the fracture.

The parameters used in the model are shown in Table 5. The
thickness of the shale formations was used as a constant height
in KGD and PKN models. The rock in the formations are hetero-
geneous, hence they have different values of Young’s modulus and
Poison’s ratios, and there is different in situ stress at different
depths. Thus, the average values of these parameters were used
in the KGD and PKN models.
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Results and Discussion
Results

Fracturing Fluid Selection

In selecting the fracturing fluid, several fracturing fluid types were
modeled in the simulator, and these fluids vary in viscosity and
components. These fluids were mixed with the proppants of 20/
40 mesh size. The simulation was conducted at a constant rate
of 12.72 m?/min. The results show that some linear gel fluids with
HPG additives (Linear gel 30 and 40 GW-32) created wider and
longer propped fractures compared to slickwater and water-based
fluids (Table 6). Apart from the fractures created, linear gels have
several advantages. Linear gel fluids contain gels that are capable of
carrying high proppant concentrations. These fracturing fluids can
control clay mineral swelling when mixed with KCl and reduce the
tendency of a gas to form water drops due to the capillary forces, as
explained by Parekh and Sharma (2004). The results of Mader
(1989) showed that applying gel-loaded fluids brings better results
in production. Also, Montgomery (2013) commented that linear
gels have a low cost. Due to all these factors, linear gel fracturing
fluids were suggested and used for further analysis.

After the suggestion of the fracturing fluid, different treatment
parameters were analyzed, and their effects on the fracture propa-
gation and geometries were evaluated. These factors include ten
injection rates, six linear gel fracturing fluids, and three proppant
sizes.

The Effects of Injection Rates

The effect of injection rates was analyzed by running simulations at
different injection rates for various fracturing fluids, and the prop-
pants used were of 20/40 mesh size. Generally, the results showed
the increase in the injection rate led to an increase in fracture width

Table 5. Parameters used in the validation of the simulator’s results

Parameters Units Value
Fracture height m 88.4
Average Young modulus Pa 2.48 x 1010
Average Poison’s ratio — 0.25
Fluid viscosity cp 33
Pumping rate m?/min 6.3, 8, 12.72
Leak off coefficient m/min’ 8.5333 x 10°°
Passed time min 0 to 100

and half-length (Figs. 6 and 7). At a low injection rate, the width
was small, then the width increased at injection rates of 3.18 and
4.77 m?/min when the injection rate reached 7.95 m3/min the
width dropped. The width increased again after an injection rate
of 9.54 m3/min. The fracturing fluid with gel loading of 30 ppgt
(linear gel 30) created the widest fracture (1.27 cm) compared

1.4

1.2 4 —®—Linear gel 10

1.0 1 —o—Linear gel 20

Linear gel 30
=Ei 0.8 1 &
= Linear gel 40
2 0.6 A
3 —o—Linear gel 50

0.4 1 —o—Linear gel 60

0.2 4

0.0 - T T T T T T
0 2 4 6 8 10 12 14 16
Pumping rate, m¥min

Fig. 6. Variation of fracture width at different injection rates for various
fluids, maximum width was 1.27 cm at a pumping rate of 12.7 m3/min,
and the thinnest fracture at an injection rate of 12.7 m?/min was
1.05 cm for fluid with gel loading of 60 ppgt.

300
—o—Li
250 Linear gel 10
—o—Linear gel 20
200 Linear gel 30
=} Linear gel 4
é 150 4 —®Linear gel §
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100 1
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0 2 4 6 8 10 12 14 16

Pumping rate, m¥min

Fig. 7. Variation of fracture half-length at different injection rates for
various fluids, the maximum length is 285 m at a pumping rate of
6.36 m®/min.

Table 6. The fracture created by different kinds of fracturing fluids at a flow rate of 12.72 m®/min (Proppants size 20/40 wire mesh size)

Apparent viscosity (cP)

Propped Propped

Serial number Fluid type Viscosity (cP)  at a shear rate of 511, at 82.2°C ~ Width (cm)  height (m)  half-length (m)
1 Slickwater — 2.6 1.25 62.85 147.34

2 Linear gel 10 GW-32 — 2.1 1.16 69.01 166.21

3 Linear gel 20 GW-32 — 3.6 1.16 69.37 166.85

4 Linear gel 30 GW-32 — 8.1 1.27 91.47 207.32

5 Linear gel 40 GW-32 — 15.7 1.20 91.29 203.97

6 Linear gel 50 GW-32 — 239 1.13 67.30 158.95

7 Linear gel 60 GW-32 — 33 1.05 63.52 140.12

8 Water-based fluid 104 — 1.15 91.04 190.03

9 Water-based fluid with 65% CO, 104 — 0.39 0 0

10 Water-based fluid with 65% N, 104 — 0.39 0 0

11 Water-based fluid with 70% CO, 104 — 0.85 89.98 169.19

12 Water-based fluid with 70% N, 104 — 0.85 89.98 169.19

13 Water-based fluid with 75% N, 104 — 0.39 0 0
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to other fluids. This fluid developed the widest fracture at an injec-
tion rate of 12.72 m3/min. Also, other fracturing fluids propagated
the wider fractures at an injection rate of 12.72 m®/min, except
fluid with gel loading of 60 ppgt. Thus, at a pumping rate of
12.72 m?/min, the thinnest fracture was 1.05 cm for fluid with gel
loading of 60 ppgt. When the injection rate reached 14.31 m®/min,
the width dropped again (Fig. 6).

The fracture half-length developed by different fracturing fluids
at different injection rates showed the same trend as the fracture
width. The fracture half-length at lower injection rates was small,
and then the length increased at the injection rate of 6.36 m®/min.
The fracture length dropped at the injection rate of 7.95 m?/min.
After the injection rate of 9.54 m?®/min, the fracture half-length
increased again. The maximum fracture half-length was obtained
at an injection rate of 6.36 m>/min by the fluids with gel loading
of 60 ppgt; that length was 285.05 m. At a pumping rate of
6.36 m?®/min, the fluid gel loading of 10 ppgt created the shortest
fracture (115.18 m) compared to all other fluids (Fig. 7).

Effects of Gel Loading (Polymer Concentration)

The created fracture width and half-length at different gel loading
can be used to examine the impact of polymer concentration,
as depicted in Figs. 6 and 7. The increase in gel loading implies
an increase in the fluid viscosity, as shown in Table 6, and more
gel-loading fluid has high apparent viscosity. In the highly viscous
fluid (60 ppgt), the fracture half-length developed at an injection
rate of 6.36 m?/min was the highest compared to all half-lengths
created by other fluids. Other fracturing fluids which show higher
fracture half-length are fluids with gel loading of 40 and 50 ppgt at
an injection rate of 6.36 m?/min. A fracturing fluid with a gel load-
ing of 10 ppgt developed the smallest fracture half-length, followed
by a fracturing fluid with a gel loading of 20 ppgt (Fig. 7).

The variation of fracture width with the polymer concentration is
shown in Fig. 6. The fluid developed the widest fracture with gel
loading of 30 ppgt at an injection rate of 12.72 m3/min. On the
other hand, other fluids which developed wider fractures were flu-
ids with gel loading of 40 and 50 ppgt at an injection rate of
12.72 m?/min. In contrast, fluid with gel loading of 60 ppgt de-
veloped the thinnest fracture compared to other fluids. Also, the
thinner fracture was created by fluid with gel loading of 30 ppgt
and 50 ppgt.

Influence of Proppant Size
The effect of proppants was analyzed for different fracturing fluids
at an injection rate of 6.36 m®/min since this injection rate propa-
gated the most extended fractures for most fracturing fluids com-
pared to other injection rates. Three sizes of proppant were run in
the model, and those proppants include 12/20, 20/40, and 40/70
mesh sizes.

Table 7 shows the simulated results of the propped half-length
for different proppant sizes. The proppant with a 12/20 mesh size

Table 7. Propped fracture half-length (m) developed by proppant with
20/40, 12/20, and 40/70 mesh sizes at an injection rate of 6.36 m?/min

Gel loading Proppants sizes

developed the longest propped half-length compared to other prop-
pants sizes. The largest propped half-length was archived by fluid
with a gel loading of 60 ppgt. Thus, this implies that high-viscous
fluid can transport large-sized proppants deep in the fracture. Also,
large-sized proppants develop higher permeability when compared
to small-sized proppants, as shown in Table 4.

Combining the Effects of Injection Rate, Fluid Type and
Proppant Size

The effects of both fluid types, injection rates and proppants sizes
were analyzed as shown in Figs. 8 and 9. This analysis was con-
ducted for three fluid types, which are fluids with gel loading of 40,
50 and 60 ppgt. These were the fluids that developed longer frac-
tures when compared to other fluids. The results show that the frac-
turing fluid with gel loading 50 ppgt when mixed with proppants of
12/20 mesh-size at the injected rate of 12.72 m?/min developed the
widest fracture (1.84 cm) when compared to all other scenarios.
Other scenarios which show better results are fracturing fluid with

Width, cm

Pumping rate, m3min
—&— 20/40 proppant, linear gel 40 —&— 12/40 proppant, linear gel 40

40/70 proppant, linear gel 40
20/40 Proppant, Linear gel 50 —e&— 12/20 Proppant, Linear gel 50 —#— 40/70 Proppant, Linear gel 50
—e— 20/40 proppant, linear gel 60 —@— 12/20 proppant, linear gel 60 —®— 40/70 proppant, linear gel 60

Fig. 8. Fracture widths at various injection rates for a fracturing
fluid with different polymer concentrations and containing different
proppants sizes, maximum width is 1.18 cm at an injection rate of
12.72 m?/min.
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30 0 0 0 Fig. 9. Fracture half-lengths at various injection rates for a fracturing
40 113.2637 174.7418 255.6967 fluid with different polymer concentrations and containing different
50 264.2921 235.8847 167.3962 proppants sizes; the maximum length is 287.12 m at a pumping rate
60 234.3607 264.8407 210.8606 of 6.36 m?/min.
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Fig. 10. Variation of net pressure, proppant concentration and slurry
rate during the fracturing time.
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Fig. 11. Development of fracture length and width during the fractur-
ing time.

gel loading of 40 ppgt mixed with proppants with 12/20 mesh size
at an injection rate of 12.72 m?/min. They were also fracturing
fluid with gel loading of 60 ppgt mixed with proppants with 12/
20 mesh size at an injection rate of 11.13 m?/min and fracturing
fluid with gel loading of 60 ppgt mixed with proppants with 40/70
mesh size at an injection rate of 12.72 m?/min (Fig. 8).

Fig. 9 shows the results of the fracture half-length obtained from
different scenarios. The results showed maximum fracture half-
length (287.12 m) was developed by fluid with gel loading of
50 ppgt when mixed with proppants with 12/20 mesh size at an
injection rate of 6.36 m?/min. On the other hand, the fracturing
fluids with gel loading 60 ppgt mixed with proppants of 12/20
mesh size at an injection rate of 6.36 m®/min showed better results,
whereby fracture developed was having half-length of 284.26 m.
But the propped half-length for fluid with gel loading of 60 ppgt,
when mixed with proppants of 12/40 mesh size, was larger when
compared to propped half-length developed by fluid with gel load-
ing of 50 ppgt when mixed with proppants of 12/20 mesh size
(Table 7).

Discussion

The performance of different fracturing fluids shows that fluid with
gel loading of 50 and 60 ppgt developed longer and wider fractures
compared to other fluids. But a fluid with gel loading of 60 ppgt
developed the longest propped fracture. Therefore, this fluid was
chosen as a fracturing fluid in these shales’ formations. This fluid
has an apparent viscosity of 33 cp, which is the highest compared to
other linear gel fracturing fluids. Fluid with gel loading of 60 ppgt
developed the longest propped fracture since it can carry and trans-
port a large concentration of proppants and create a wider fracture.
These results agreed with other scholars like Montgomery (2013),
who found that high-viscous fluid can develop wider fractures
enough for proppants to pass, generating a desired net pressure
to control height growth and fluid loss. According to Bokane et al.
(2013), the fluid viscosity shows better proppants distribution when
the injection rate is low, and proppants of small density are used.
Also, Saberhosseini et al. (2017) conducted a study and found that
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Fig. 12. Predicted fracture with propped fracture half of 264.8 m and an average width of 1.06 cm.
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an increase in fluid viscosity from 107> to 10 Pa.s caused an
increase in fracture width from 8.83 to 13.3 mm.

Among the three proppant sizes modeled in this study, the 12/20
mesh size proppant is the one that was able to be propped at a deeper
length when compared to other sizes. Proppants with 12/20 mesh
size have a larger size when compared to other types of proppant
used. The high viscosity of fracturing fluid helped in carrying and
transporting these large proppants to the deep of the fracture. Also,
large-sized proppants develop higher conductivity in the formation
when compared to small-sized proppants. For these reasons, the
proppants with 12/20 were suggested to be used in these formations.

The effect of injection rate was analyzed by running the model at
the injection rate from 1.59 to 15.90 m?/min. The longer fractures
were developed at an injection rate of 6.36 m?/min, whereas the
wider fracture was developed at an injection rate of 12.72 m3/min.
The injection rate of 6.36 m®/min was selected since it created a
longer fracture. Longer fracture increases more contact area with
the reservoir compared to the wider fracture (Since the width is very
small compared to the length). Thus, it is suggested to use the pump
capable of developing this injection rate. The study conducted by
Morgan et al. (2017) shows that an increase in injection rate causes
an increase in the breakdown pressure. Also, Solberg et al. (1980)
observed a log-linear relationship between injection rate and break-
down pressure. Therefore, an increase in injection rate causes an
increase in the breakdown pressure, which increase fracture
half-length and width. But this work shows the best operating in-
jection rate was 6.36 m3/min. The fracture half-length decreased
when the injection rate was higher than 6.36 m>/min, and this
could be due development of fluid leak-off. Therefore, increasing
the injection rate causes the rise of fracturing pressure. According
to Shen and Zhang (2019), casing deformation can occur when
there is high fracturing pressure. Deformation of the casing can
cause fluid leak-off, reducing the fracturing fluid’s ability to extend
the fracture (Figs. 13 and 14).

The Influence of Hydraulic Fracture Treatment Parameters
Suggested on the Fracture Development

The fluid with gel loading of 60 ppgt and proppant with 12/20 mesh
size was suggested to be used in the Longmaxi and Wufeng shale
formations. The slurry fluid was injected into the formations at the
constant rate of 6.36 m*/min. When the slurry fluid was pumped
into the formation, the proppants concentration increased with
time, as shown in Fig. 10. Also, the injection of slurry fluid into
the formation caused the rise of net pressure. In the beginning, the
net pressure was highly increased, and then the net pressure slightly
varied with time, as shown in Fig. 10.

Generally, the results show that both fracture length and width
increased with time. However, in the initial 18 minutes, the fracture
width grew, then decreased again (Fig. 11). Additionally, the trend
of rising net pressure appears to be followed by the expansion of
fracture width (Figs. 10 and 11). The final results of the fracture
geometry developed during the hydraulic fracturing process are
shown in Fig. 12. The fracture with propped half-length of 264.8 m
and an average width of 1.06 cm was formed. Also, Fig. 12 indi-
cates that the stress contrast in the shale formations affected the
shape of the fracture, the interval with higher stress were having
smaller width when compared to the interval with low stress. These
dimensions provide enough surface area for the reservoir fluid to
flow from the reservoir to the production well and facilitate the re-
quired production rate.

Validation of the Results

The results show that the fracture geometry developed by the 3D
shear decoupled model is very close to the fracture developed by
another simulator model, the 3D tip-dominated model. The fracture
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length from the 3D shear decoupled model is a bit far from the
fracture length from the PKN model, and still, it differs a lot from
the KGD model, as shown in Fig. 13. But also, the fracture width
developed by two simulator models, the 3D shear decoupled and
the 3D tip-dominated models are very close. Also, the PKN model
shows better closeness with simulator results in developing the
width (Fig. 14). All these results show a significant difference be-
tween the KGD model and simulator models (3D shear decoupled
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Fig. 13. Fracture half-length developed after applying the 3D shear
decoupled model (Simulator), KGD model, PKN model, and 3D tip-
dominated model (simulator) at different injection rates: (a) injection
rate 6 m’/min; (b) injection rate 8 m3/min; and (c) injection rate
12.72 m?/min.
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dominated model (simulator) at different injection rates: (a) injection
rate 6 m*/min; (b) injection rate 8 m3/min; and (c) injection rate
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model and 3D tip-dominated model). But also, there is a slight
difference between the PKN model results and the simulator re-
sults. A small difference in those results indicated that the results
from the simulator could be used in the prediction of fracture geom-
etry. The slight difference in the results between the PKN model
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Fig. 15. Fracture heights developed as a result of the stress difference
between the Shale formation and layers above and below the shale for-
mation. Negative values on the x-axis indicates lower stresses in the
layers above and below the shale formation, and positive values on
the x-axis indicate higher stresses. The red line indicates the thickness
of the shale formation.

and the simulator models is caused by several factors. Using the
average value of the input parameters instead of the values recorded
at each depth used in the simulator is one of the factors which
causes the difference in results. Also, reservoir conditions such
as temperature, permeability, and leak-off coefficient are not in-
cluded in the PKN model, causing deviation in the results. The re-
sults show that initially, the leak-off was not significant, but later it
became substantial, leading to a shorter length in 3D models than
was determined by the PKN model. The findings are corroborated
by (Nordgren 1972), who demonstrated how fluid leak-off might
become significant after a specific amount of time and introduced
the concept of dimensionless time to determine when the leak-off
will be significant. Additionally, compared to low injection rates,
greater injection rates caused a higher leak-off (Yang et al. 2016).
The higher fluid leak-off led to a shorter fracture length, as illus-
trated in Fig. 13.

The Impact of Stress Contrast on the Geometry of the
Fracture

The stress in the layer above and below the shale formations was
assumed to be 60 MPa in the aforementioned situations because it
was not present. Therefore, stress contrasts were analyzed to deter-
mine the impact of stress contrast between shale formations and the
strata above and below. The results show that the fracture grew in
the shale formations when the stress in the layer above and below
was higher than in the shale formations (positive value in Fig. 15).
Therefore, the higher stress in the layer above and below the shale
formations acted as a stress barrier. But when the layers above and
below the shale formations had much lower stress, the fracture pro-
longed in the layers above and below the shale formations. In this
case, wider and short fractures were formed (Table 8). But the
layers above and below the shale formations were limestone layers.
According to Huo et al. (2021), limestone lithologies have greater
Young’s modulus, compressive strength, and in situ stress than
shale lithology. Thus, the fracturing pressure for limestone lithol-
ogy is higher than that of shale lithology. Furthermore, the study
discovered that shale formations are easier to fracture than lime-
stone lithologies. Therefore, when the shale formation is sand-
wiched between underlying and overlying limestone lithology,
the fracture will be contained in the shale formation. This scenario
is seen where stress contrasts were higher (greater stress in the layer
above and below the shale formation).
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Table 8. The impact of stress contrast between the shale formation and the layer above and below

Stress difference

(MPa) Stress Length (m) Width (cm) Height (m) Comments

+5 44 106 0.348 66.9 —

+21 60 284.3 1.06 90.8 —

+41 80 281 1.091 89.1 —

+61 100 293.1 1.055 88.4 —

=5 34 111.7 1.033 66.3 —

—11 28 182.2 1.547 105.2 Fractures develop outside the shale formations
21 17 260.5 1.159 99.4 Fracture develops outside the shale formations
Conclusion References

Lower Silurian Longmaxi and Upper Ordovician Wufeng shale
formations are normally pressured formations found in the
Chongqing region, southeast of the Sichuan Basin in southwestern
China. Both are tight shale formations that require hydraulic frac-
turing to produce shale gas commercially. Therefore, hydraulic
fracturing simulation was conducted to study the influence of dif-
ferent parameters on the development of hydraulic fracture in
these formations. The following conclusions are reached from this
work and suggested for the optimal stimulation of these shale gas
formations.

1. The developed fracture length and width increase with increas-
ing volumetric injection rate. The increase in volumetric injec-
tion rate causes the increase of the breakdown pressure in the
fracture as a result of increasing the fracture size.

2. The developed fracture width and propped fracture length in-
crease with increasing gel loading. Thus, this is because the
gel loading seals the micro-cracks in this tectonically complex
shale formation. This sealing reduces the leak-off in the under-
to-normally pressured shale reservoir, hence increasing the
breakdown pressure, which increases the width. Also, high-
viscous fluid can carry the proppants deep in the fracture.

3. The highest gel loading fluid (60 ppgt), when mixed with prop-
pants of 12/20 mesh size and injected at a rate of 6.36 m®/min,
created the longest propped fracture length compared to other
scenarios. The application of these parameters in these forma-
tions developed a fracture with an average width of 1.06 cm and
propped half-length of 264.8 m.

4. The formations’ stress contrast affects the shape of the fracture,
the interval with lower stress had large widths when compared to
the interval with high stress. Also, the higher stress in the layers
above and below the shale formations contains the fracture
height and hence favors the growth of fracture in the shale
formations.
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